Chapter 2
Characteristics of Shale Reservoirs

2.1 Introduction

Shale gas reservoir shows several features dissimilar with conventional reservoir
which make it difficult to understand behavior of it. In this chapter, these features
such as natural fracture system, adsorption/desorption of gas, diffusion in nano-
pores, non-Darcy flow, and stress-dependent compaction are presented. In general,
shale gas reservoir includes natural fractures which are believed to play a significant
role in hydraulic fracture propagation and gas production. Pressure behavior of dual
porosity model used to simulate the natural fracture system is presented. In shale
reservoirs, hydrocarbon gas is stored in two ways which are free gas in the pore
media and absorbed gas in the surface of organic material. Previous studies pre-
sented that gas desorption contribute 5-30 % of total gas production in shale
reservoir. In order to simulate gas production in shale gas reservoirs, an accurate
model of gas adsorption is very important. According to the International Union of
Pure and Applied Chemistry (IUPAC) standard classification system, there are six
different types of adsorption. Among these, Langmuir isotherm and BET isotherm
are suitable for shale formation so that they are presented. Due to the presence of
nanopores, fluid flow in shale reservoir cannot be calculated from Darcy equation.
This phenomenon can be explained by the concept of slip flow and a common way
to model the flow of gas in nanopore is to modify the no-slip boundary condition in
continuum models by accounting for a slip boundary condition. Several studies are
suggested for accurate diffusion modeling of shale reservoir. Darcy equation is also
cannot applied to hydraulic fractures due to high velocity of gas flow. When the gas
velocity increases significant inertial (non-Darcy) effects can occur. This induces an
additional pressure drop in the hydraulic fractures in order to maintain the pro-
duction rate. For simulate this mechanism, Forchheimer equation which can replace
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22 2 Characteristics of Shale Reservoirs

the Darcy equation is used. The conductivity of fracture network in shale reservoir
is sensitive to the stress-dependent compaction effect. Change of porosity and
permeability due to change of stress and strain should be considered. Effect of shale
rock compaction can be considered by several stress-dependent correlations cou-
pled with geomechanical model.

2.2 Natural Fracture System

A naturally fractured reservoir has been referred to as dual porosity system because
two types of porous regions that present distinctly different properties are in
presence (Barenblatt et al. 1960). The first region forms the continuous system
connected with the wells, whereas the second region only feeds fluid locally to the
first region. These regions represent matrix and fractures which have different fluid
storage and conductivity characteristics in shale gas reservoirs.

Warren and Root (1963), who idealized the system as an orthogonal set of
intersecting fractures and cubic matrix blocks (Fig. 2.1), invoked a simple
pseudo-semi-steady-state (PSSS) model of transfer from matrix to fractures.
Figure 2.2 shows the early part of fundamental pressure response of Warren and
Root (1963)’s dual porosity model in semi-log plot (Stewart 2011). Pressure
behavior is characterized by the first straight line, a transition which looks like a
straight line of nearly a zero slope, and a final straight line displaying the same
slope as the first. The first straight line usually shows very short duration and
represents the fracture system alone. The equations of this line are
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where p,,p is the dimensionless well flowing pressure, 7, the dimensionless time, @
the dimensionless storativity, y the exponential of Euler’s constant, 1.781 or
€372 p,.r the well flowing pressure p; the initial reservoir pressure g, the rate at
standard condition, B the formation volume factor, u the viscosity, kg the bulk
fracture permeability, & the net pay thickness, 7 the time, ¢, the bulk fracture
porosity, ¢; the formation compressibility, and r,, the well radius. The final straight
line represents total system behavior and the equations of this period are given by
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where ¢, is the total compressibility. Subscripts m and f indicate matrix and natural
fracture. The separation between the lines is In @, which becomes larger in absolute
value as @ become smaller. In Fig. 2.3, fracture and matrix pressures which present
a good insight into the mechanism of dual porosity behavior have been illustrated
(Stewart 2011). At very early time, initial fracture and matrix pressures are same,
whereupon support flow from the matrix is negligible. As the pressure transient
propagates out from the well, fracture pressure declines quickly and matrix pressure
declines slowly due to difference of conductivity. The flattening of semi-log graph
is due to this period increasing support from the matrix to fracture. Depending on
slowing down the rate of change of the fracture pressure and catching up of the
matrix pressure, the two pressures are nearly analogous. Total system behavior is
reached when the media pressures attain this dynamic equilibrium.
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Fig. 2.3 Fracture and matrix
pressure in the natural fracture
system (Stewart 2011)
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The organic matter in shale has a strong adsorption potential due to the large surface
area and affinity to methane (Yu et al. 2014). In order to simulate gas production in
shale gas reservoirs, an accurate model of gas adsorption is very important.
According to the standard classification system of the International Union of Pure
and Applied Chemistry (IUPAC) (Sing et al. 1985), there are six different types of
adsorption, as shown in Fig. 2.4. The shape of the adsorption isotherm is closely
related to the properties of adsorbate and solid adsorbent, and on the pore-space
geometry (Silin and Kneafsey 2012). The detailed description of the six isotherm
classifications can be found in Sing et al. (1985).

Fig. 2.4 Types of physical
sorption isotherm (Sing et al.
1985)
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Fig. 2.5 The schematic plots
of monolayer and multilayer
gas adsorption (Yu et al.
2014). a Monolayer Langmuir
adsorption b Multilayer BET
adsorption
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The most commonly applied adsorption model for shale gas reservoirs is the
classic Langmuir isotherm (Type I) (Langmuir 1918), which is based on the
assumption that there is a dynamic equilibrium at constant temperature and pressure
between adsorbed and non-adsorbed gas. Also, it is assumed that there is only a
single layer of molecules covering the solid surface, as shown in Fig. 2.5a. The
Langmuir isotherm has two fitting parameters as shown below:

frng VLp
p+pL’

(2.5)

where V is the gas volume of adsorption at pressure p, V; the Langmuir volume or
the maximum gas volume of adsorption at the infinite pressure, and p; the
Langmuir pressure, which is the pressure corresponding to one-half Langmuir
volume. Instantaneous equilibrium of the sorbing surface and the storage in the pore
space is assumed to be established for the Langmuir isotherm (Freeman et al. 2012).
Gao et al. (1994) demonstrated that the instantaneous equilibrium is a reasonable
assumption because the ultra-low permeability in shale leads to very low gas flow
rate through the kerogen component of shale.

At high reservoir pressures, one can expect that natural gas sorbed on the organic
carbon surfaces forms multi-molecular layers. In other words, the Langmuir iso-
therm may not be a good approximation of the amount of gas sorbed on organic
carbon-rich mudrocks. Instead, multilayer sorption of natural gas should be
expected on organic carbon surfaces, and the gas adsorption isotherm of Type II
should be a better choice. Type II isotherm often occurs in a non-porous or a
macroporous material (Kuila and Prasad 2013). Brunauer et al. (1938) suggested
the BET isotherm model which is a generalization of the Langmuir model to
multiple adsorbed layers, as shown in Fig. 2.5b. The expression is shown as
follows:

Vv, = ViCp (2.6)
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where V,, is the maximum adsorption gas volume when the entire adsorbent surface
is being covered with a complete monomolecular layer, C a constant related to the
net heat of adsorption, and p, the saturation pressure of the gas. C is defined as
below:

E—-FE
C= exp< IRT L), (2.7)

where E| is the heat of adsorption for the first layer, E; the heat of adsorption for the
second and higher layers and is equal to the heat of liquefaction, R the gas constant,
and T the temperature. The assumptions in the BET theory include homogeneous
surface, no lateral interaction between molecules, and the uppermost layer is in
equilibrium with gas phase. A more convenient form of the BET adsorption iso-
therm equation is as follows:

p 1 C—1p
= =z 2.8
Vpo —p) VauC + VinC o (28)

A plot of ﬁ against pﬁ should give a straight line with intercept of = and

slope of % Based on V,,, the specific surface area can be calculated using the

following expression:

g_ VinNa
22,400

(2.9)

where S is the specific surface area in m*/g, N the Avogadro constant (number of
molecules in one mole, 6.023 x 1023), a the effective cross-sectional area of one gas
molecule in m?, and 22,400 is the volume occupied by one mole of the adsorbed
gas at standard temperature and pressure.

The standard BET isotherm assumes that the number of adsorption layers is
infinite. But, in the case of n adsorption layers in some finite number, then a general
form of BET isotherm is given below:

n n+1
v.CcL 1—(n+1)(pﬂ) +n(ﬂ)
_ Po o o
V(p)_ 1=2 n+1
2 1+(C—1),%—c(,%)

(2.10)

where n is the maximum number of adsorption layers. When n = 1, Eq. 2.10 will be
reduced to the Langmuir isotherm, Eq. 2.5. When n = oo, Eq. 2.10 will be reduced
to Eq. 2.6.

Figure 2.6 compares shapes of the Langmuir and BET isotherms. Gas desorption
along the BET isotherm contributes more significantly at early time of production
than that with the Langmuir isotherm curve. This is because the slope of the BET
isotherm curve at high pressure is larger than that of the Langmuir isotherm curve,
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Fig. 2.6 Comparison of the Langmuir and BET isotherms (Yu et al. 2014). a Langmuir isotherm
b BET isotherm

resulting in more adsorbed gas releasing at early production times. In addition,
under the same pressure drop from the initial reservoir pressure to the bottomhole
pressure, the amount of released adsorbed gas with the BET isotherm curve is larger
than that with the Langmuir isotherm curve.

2.4 Diffusion

The Darcy equation has been used for more than 150 years to linearly relate
fluid-flow rate and pressure gradient across a porous system. The linearity of the
Darcy equation makes it easy and practical to use in reservoir engineering analysis
and numerical reservoir simulations. However, physics of fluid flow in shale
reservoirs cannot be predicted from standard flow or mass transfer models because
of the presence of nanopores, ranging in size from one to hundreds of nanometers,
in shales. Conventional continuum flow equations, Darcy’s law, greatly underes-
timate the flow rate when applied to nanopore-bearing shale reservoirs.

In other to articulate this phenomenon, Brown et al. (1946) suggested the con-
cept of slip flow, which provided an explanation for the observed relationship
between gas flow rate and mean pressure. As mentioned earlier, the pores in pro-
ducing shale gas reservoirs are in the range of 1-100 nm so that the gas molecules
contained in the pores are of comparable size (~ 0.5 nm). Under certain pressure
and temperature conditions, the distance between gas molecules (mean free path)
exceeds the size of the pores. In such conditions, the gas molecules might move
singly through the pores and the concept of continuum and bulk flow may not be
applicable. Knudsen number, K,,, is the ratio of mean free path, 4, to pore diameter,
d, and can be used to identify different flow regimes in the porous media as given
below
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Taple 21 Dlicffere}lt ﬂo:v Knudsen number (K,) | Flow regime
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in which kg is the Boltzmann constant and ¢ is the collision diameter of the gas
molecule. Table 2.1 presents flow regimes corresponding to Knudsen number
ranges (Rathakrishnan 2004; Rezaee 2015). Continuum no-slip flow or Darcy
equation is valid for K, < 1073. Continuum flow with slip correction (Klinkenberg)
is valid for K, <10~!, which covers most conventional gas reservoirs and many
tight gas reservoir conditions as well. However, as a result of the existence of
nanopores in shales, the molecular mean free path becomes comparable with the
characteristic geometric scale and K,, could be larger than 0.1. Under this condition,
Knudsen diffusion, in addition to correction for the slip boundary condition,
becomes the dominant mechanism and hence new forms of gas flow equations are
needed. Various gas flow models for slip flow and Knudsen diffusion will be
introduced in this section.

Klinkenberg (1941) showed experimentally that a linear relationship exists
between Darcy permeability and the reciprocal of mean pressure in the system, that
is, between gas-flux reduction and mean pressure increase.

k(pavg)sz<1+ b > (2.13)

Pavg

where k (payg) is the gas permeability at mean pressure (payg), kp the Darcy per-
meability or liquid permeability, and b the Klinkenberg parameters. The empirical
parameters b and kp, are the slope and intercept of the fitted line through the & (p,y,)
Versus pi data. The Klinkenberg effect has been used to model the gas flow in

conventional gas reservoirs (with pores in the range of 10—100 um) and recently for
tight gas systems (with pores of 1-10 pm in size).

The flow of gas in micro- or nanochannels can be described by use of molecular
models, commonly known as molecular dynamics, which consider the molecular
nature of a gas (Gad-el-Hak 1999) or Lattice-Boltzmann method (Shabro et al.
2012). Although these molecular models are valid for any range of K, the
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requirement of large computational time and power constitutes a major limitation of
these approaches, currently rendering them unfeasible for shale analysis.
A common way to model the flow of gas through micro- or nanochannels is to
modify the no-slip boundary condition in continuum models by accounting for a
slip boundary condition. This approach has been used in multiple proposed models
for shale gas transport (Javadpour 2009; Civan 2010; Azom and Javadpour 2012;
Darabi et al. 2012).

Javadpour (2009) proposed a model that includes the Knudsen diffusion and the
slip flow which are major mechanisms contributing to the gas flow in a single,
straight, cylindrical nanotube. Javadpour also asserted that these two processes exist
at any K,,, but their individual contributions to total flux varies. Javadpour (2009)
proposed a model for gas flow in a nanopore duct by accounting for Knudsen
diffusion and slip velocity using the Maxwell theory.

M (8RT\™  Ppuel| P2 — p1
_ ort gl Pave| P2~ P1 2.14
! [3 x 103RT (nM) + 8u L (2.14)

where J is the mass flux or molar flux, r the pore radius, M the molar mass, F the
slip coefficient, p,,, the average density, and L the length of the media. p; and p,
are the upstream and downstream pressures respectively. The first and second terms
in the right-hand-side bracket in Eq. 2.14 refer to Knudsen diffusion and slip flow,
respectively. The term F is the slip coefficient and is defined as:

8nRT\"? 2
F:1+<” ) K (——1> (2.15)
M TPavg \ &

where the a is the tangential momentum accommodation coefficient or the fraction
of gas molecules reflected diffusely from the pore wall relative to specular reflec-
tion. The value of a varies theoretically in a range from O (representing specular
accommodation) to 1 (representing diffuse accommodation), depending on
wall-surface smoothness, gas type, temperature, and pressure (Agrawal and Prabhu
2008; Arkilic et al. 2001). Experimental measurements are needed to determine «
for specific shale systems.

Javadpour (2009) showed that this model matches data by Roy et al. (2003),
from flow through a membrane with pore sizes of 200 nm, at an average error of
45 %. By comparing Eq. 2.14 to Darcy’s law for a single nanotube
(Hagen-Poiseuille equation), apparent permeability, k,p,, for a porous medium
containing of straight cylindrical nanotubes can be defined as:

2ru 8RT\ "3 2 87RT\ " /2 u
kpp =57——— | — —91 —_— -—1 2.16
PP 3 x 103pavg <TCM> + 8 + M o ) IPavg ( )
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where k,p,, apparent permeability. Equation 2.16 provides an apparent Darcy per-
meability relationship written in the Klinkenberg form as

b
kapp = kp> (1 + ) (2.17)
pavg
16 (8RT\®® /8zRT\"? /2 I
hb=— (== =) (£-1)= 2.18
3><103r<7rM) B o r’ (2.18)

Azom and Javadpour (2012) showed how Eq. 2.16 can be corrected for a real
gas flowing in a porous medium. The final equation still has the form of Eq. 2.17,
but with b given below

, _ L6KCePus (BZRT 0> L (BmRT e Y (2.19)
3% 103 \ M M o r’ )
where ¢, is gas compressibility and Z is compressibility factor. Notice that as the

real gas becomes ideal, Eq. 2.19 becomes Eq. 2.18, because the gas compressibility
L and the compressibility factor z = 1 for an ideal gas.

avg

Cg =

Darabi et al. (2012) later applied several modifications to adapt the model
developed by Javadpour (2009) from being applicable to a single, straight, cylin-
drical nanotube to being applicable to ultra-tight, natural porous media character-
ized by a network of inter-connected tortuous micropores and nanopores. This
model accounts for Knudsen diffusion and surface roughness, in addition to slip
flow, by use of the Maxwell theory.

M D2 ( b )
app = 0,)" "Dr+kp| 1+ . 2.20
PP RTTpavg ( ) P Pavg ( )
In Eq. 2.20, 7 is the tortuosity and J, the ratio of normalized molecular radius
size, r,,, with respect to local average pore radius, r,yg, yielding 6, = . In above
avg
equation, Knudsen diffusion coefficient, D,, is defined as
2rave (8RT\"’

Dy = — 2.21
=2 () @.21)

where 7, is approximated by 7,y = (8kD)0 . The average pore radius can also be
determined by laboratory experiments employing such as processes as mercury
injection and nitrogen adsorption tests and pore imaging using SEM and AFM.
Darabi et al. (2012) also included the fractal dimension of the pore surface, Dy, to
consider the effect of pore-surface roughness on the Knudsen diffusion coefficient
(Coppens 1999; Coppens and Dammers 2006). Surface roughness is one example
of local heterogeneity. Increasing surface roughness leads to an increase in
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residence time of molecules in porous media and a decrease in Knudsen diffusivity.
Dy is a quantitative measure of surface roughness that varies between 2 and 3,
representing a smooth surface and a space-filling surface, respectively (Coppens
and Dammers 2006).

Civan (2010) permeability model is based on the Beskok and Karniadakis
(1999) approach. The model represented by simplified second-order slip approach
assumes that permeability is a function of the intrinsic permeability, the Knudsen
number, K,,, the rarefication coefficient «,, and the slip coefficient b,

4K,
— k(1 + 0,k (1 . 222
o= o1+ (14 ) 222)

The dimensionless rarefication coefficient o, is given by,

KB
= n ), 2.23
i %Q+@> 223)

where A and B are empirical fitting constants. The lower limit of o, (o, = 0) cor-
responds to the slip flow regime and the upper limit oy corresponds to the
asymptotic limit of o, when K, — oo, which corresponds to the free molecular
flow. Constants A and B serve as the fitting parameters that may be appropriately
adjusted based on the dominant flow regime in the shale porous media. Civan
(2010) reports the adjusted parameter values, A = 0.178, B = 0.4348, and oy =
0.1358 for modeling gas flow in a tight sand example. Civan (2010) assumes b = —1
based on the Beskok and Karniadakis (1999) estimate and subsequently estimates
the Knudsen number as (Jones and Owens 1980),

K, = 12.639%,"°.

(2.24)
With these assumptions, the only unknown parameter remaining in the Civan
(2010) model is kp, which can be determined from a permeability measurement
experiment (e.g., the pulse-decay experiment).
For small Knudsen numbers, that is, K, < 1, Civan (2010) estimates the
dynamic slippage coefficient b, as a function of gas viscosity, based on the Florence
et al. (2007)’s study,

27904 (kp\ 7
b=~ <$) : (2.25)

The most important limitation to these discussed models is the estimation of
empirical parameters which requires performing experiments or computationally
expensive molecular-dynamic simulations (Agrawal and Prabhu 2008). Singh et al.
(2014) proposed a new non-empirical, analytical model for permeability, termed
non-empirical apparent permeability (NAP). NAP is developed for flow of gas in
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ultra-tight porous media consisting of tortuous micro-/nano-pores and is valid for
Knudsen numbers less than unity and stands up under the complete operating
conditions of shale reservoirs.

Singh et al. (2014) derived apparent permeability on the basis of fundamental
flow equations for shale-gas systems. From the total mass flow which is a super-
position of advection and molecular spatial diffusion (Veltzke and Thoming 2012),
Darcy’s law can be converted to expressions for apparent permeability of slits or
tubes:

duh (hSmZ 8 2MRT> (226)

k. it =
( app)slll 3 4/J NPang n

20ud (mdywpeZ 1
k. = V2nMRT 2.27
( apP)lube T ( 64,“ 3pang T ) ( )

where hgj is the height of the rectangular slit and dy. the diameter of the tube. The
two pore geometries considered in the NAP model are cylindrical tube and rect-
angular channel (slit). When porous media are composed of other shapes, the
permeability of the media will be somewhere between what it would be if it were
composed of tubes and what it would be if it were composed of slits. Therefore, the
two shapes considered in the NAP model may reliably capture the average effect of
different pore shapes in porous media because capturing the exact shape of each
pore might be impractical and daunting. The permeability of each shape type
contributes to the effective permeability of the reservoir, where the effective per-
meability is the statistical sum of the individual permeability from each shape type
(Fenton 1960) as given below:

X 100 — x
In(Kapp)efr = ﬁln(kapp)sm + Wln(kﬂpp)tube (2.28)

X 100—x
() = | (k7). (K5), ] (229)

where kg is effective permeability after including the effect of sorption. The
novelty of this work is the development of flow equations without empirical
parameters. Although there are some empirical values of simple gases and solid
materials in literature, finding them for the shale system is not straightforward.
Hence, a method that does not need the empirical value is attractive.

Figure 2.7 compares the predictions of cumulative gas production for the APF
(Darabi et al. 2012), NAP (Singh et al. 2014), Klinkenberg (1941), Civan (2010),
Darcy-type-flow, and Knudsen-diffusion models (Javadpour 2009). The NAP pre-
dictions lie between APF and Klinkenberg, whereas Civan and Klinkenberg pre-
dictions are close to each other and each of them is higher than the predictions by
Darcy. At the given typical shale-gas-reservoir conditions, contribution of Darcy
flow, slip flow, and Knudsen diffusion control total gas production. The APF model




2.4 Diffusion 33
Fig. 2.7 Comparison of 250 r T . : T T T
different gas models to predict 1: APF (Darabi et al., 2012)
cumulative gas production 2: NAP (this study)
(Singh et al. 2014) 200 - 3: Klinkenberg (1941) )
4: Civan (2010)
5: Darcy (1856)
6: Knudsen flow (Javadpour, 2009) 1 /
= 2
% 150 3 /
E. 4 /
£ 5
8' 00
o 1
&
__.—f-'-’-—‘-’—‘
50
0

0 50 100 150 200 250 300 350
f (day)

includes all these three processes, whereas the NAP model ignores slip flow.
A comparison between APF (Darabi et al. 2012) and NAP model in Fig. 2.7
suggests that the Klinkenberg effect is not dominant at high-Knudsen-number flow
(applicable to shale gas) and that a combination of Darcy-type flow corrected for
Knudsen diffusion can be used alternatively.

As mentioned earlier in this chapter, gas storage in gas shale exists in three major
forms: stored as compressed gas in the pore network, sorbed on the surface of
organic material and possibly on clay minerals, and dissolved in liquid
hydro-carbon and brine (interstitial and clay-bound), and kerogen (Javadpour et al.
2007). Many research studies have addressed the first two storage processes
(Chareonsuppanimit et al. 2012; Civan et al. 2012; Darabi et al. 2012; Javadpour
2009; Zhang et al. 2012), but only limited research has been conducted on the
contribution of gas dissolved in organic material in the total gas production from
shale reservoirs (Etminan et al. 2014; Moghanloo et al. 2013).

Figure 2.8 shows the gas-molecule in a part of pore system including kerogen.
The compressed gas exists in the micro- and nano-scale pores. Some of the gas
molecules are adsorbed on the surface of kerogen and, eventually, some of the gas
molecules are dissolved into the kerogen body and become a part of the kerogen in
the form of a single phase. The controlling mass transport process of the dissolved
gas is molecular diffusion. Depending on the geochemistry of the organic materials
(thermal maturity, organic source, etc.), different gas solubility could be expected.
The contribution of dissolved gas to gas-in-place and ultimate recovery of a shale
reservoir could be significant; hence, evaluation of the gas-diffusion process into
kerogen becomes important. In addition to the total contribution of each process,
the onset time of each process during production is critical. Once production starts
from a reservoir, the compressed gas in interstitial pore spaces expands first; then,
adsorbed gas on the surfaces of the pores in kerogen desorbs to the pore network.
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Fig. 2.8 Schematic view of
gas-molecule locations in a
small part of pore system
including kerogen (Javadpour
2009)
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At this stage, the concentration of gas molecules on the pore inner surface decreases
and creates a concentration gradient in the bulk of the kerogen, thereby triggering
gas diffusion (Etminan et al. 2014; Javadpour et al. 2007).

2.5 Non-Darcy Flow

In 1856, Darcy developed his now famous flow correlation by flowing water,
available at the local hospital, through sand pack configurations. Darcy’s law,
shown in Eq. 2.30, describes the linear proportionality involving a constant, k, as
related to the potential gradient %, the fluid viscosity of x, and the superficial
velocity of v.

dp w

b (2.30)
where v is the superficial velocity. Forty-five years later, Forchheimer (1901)
observed deviation from the linearity of Darcy’s equation at increased flow rates.
When the gas velocity increases, for example near the drain inside hydraulic
fractures, significant inertial (non-Darcy) effects can occur. This induces an addi-
tional pressure drop in the hydraulic fractures in order to maintain the production
rate. Forchheimer proposed a second proportionality constant, in addition to %, that
would account for this non-linearity. He called this second proportionality constant,
f, and it resulted in the familiar Forchheimer equation shown in Eq. 2.31.

dp v 2
o + fpv (2.31)

where £ is the non-Darcy flow coefficient. The earliest references to non-Darcy flow
effects in petroleum literature occur in the early 1960s (Carter 1962; Swift and



2.5 Non-Darcy Flow 35

Kiel 1962; Tek et al. 1962). The effects of non-Darcy flow specifically in hydraulic
fracturing operations were first addressed by Cooke (1973) as given below:

B = bk (2.32)

where a and b are constant determined by experiments based on proppant type.
Equation 2.32 is simple and applicable to different types of proppants.

Geertsma (1974) developed a dimensionally consistent correlation between the
non-Darcy flow coefficient, permeability and porosity. Analyzing the data obtained
for unconsolidated sandstones, consolidated sandstones, limestones, and dolomites
from his and other experiments (Green and Duwez 1951; Cornell and Katz 1953)
and performed dimensional analysis, he reached an empirical correlation,

0.005

b= s

(2.33)

In addition to the one phase correlation Eq. 2.33, Geertsma (1974) proposed a
correlation for f in a two-phase system. He argued that, in the two-phase system,
the permeability in Eq. 2.33 would be replaced by the gas effective permeability at a
certain water saturation, while the porosity would be replaced by the void fraction
occupied by the gas. Therefore, in the two-phase system, where the fluid was
immobile, the f§ correlation became

0.005 1
B Ll—s ]. (2.34)

55 55
$°3K05 or) KOS

where S, is the residual water saturation and k,. is the relative permeability.
Equation 2.34 shows that the presence of the liquid phase increases the non-Darcy
coefficient.

Evans and Civan (1994) presented a general correlation for the non-Darcy flow
coefficient using a large variety of data from consolidated and unconsolidated
media including the effects of multiphase fluids and overburden stress. They col-
lected a total of 183 data points and also employed data from Geertsma (1974) in
consolidated media, and from Evans and Evans (1988) for the effects of immobile
liquid saturation and closure stress on the f-coefficient in propped fractures. The
regression line yielded the following general correlation:

1.485 x 10°
b= Pk1-021 (2.35)
with correlation coefficient R = 0.974. Since this correlation is obtained from a large
variety of porous media under different conditions, it is expected to provide a
reasonable estimation for the f-coefficient. Equation 2.35 is implemented in the
numerical model and used for accounting for non-Darcy flow in hydraulic fractures.
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In addition to this correlation, there are several theoretical and empirical correla-
tions of the non-Darcy coefficient in literatures and these are reviewed by Evans and
Civan (1994) and Dacun and Thomas (2001).

2.6 Stress-Dependent Compaction

In shale formations, the conductivity of fracture network is sensitive to the change
in stress and strain during production because natural fractures are weakly propped
compared with hydraulic fractures. Figure 2.9 shows that experimental results
measuring permeability and porosity with respect to effective confining pressure
(Dong et al. 2010). Therefore, geomechanical effects during production must be
included to simulate the stress-dependent effects of shale gas reservoir.

Previous researches successfully proved that iterative coupling between
geomechanics and reservoir flow allows easy control of convergence as well as easy
maintenance of the reservoir and geomechanics simulators (Tran et al. 2005, 2010).
However, it is concluded that linear elastic model cannot solely describe shale gas
reservoirs (Li and Ghassemi 2012; Hosseini 2013). In order to consider the change
of conductivity, pressure-dependent properties were presented in several researches
(Pedrosa 1986; Raghavan and Chin 2004; Cho et al. 2013). Therefore, the defor-
mation of shale reservoir should be modeled by stress-dependent correlations
coupled with linear-elastic model. To consider decreasing production caused by
porosity and permeability reduction in the shale gas reservoir model,
stress-dependent porosity and permeability correlations are applied with a linear
elastic constitutive model. Dong et al. (2010) used exponential and power law
correlations to match the experimental data as follows:

¢ = e 7 (2.36)

k = ke =) (2.37)

¢ =¢; (Z,) 7 (2.38)

k= k; (;) - (2.39)

i

where ¢’ is the effective stress and a, b, ¢, and d are experimental coefficients. The
subscript  indicates the initial state. Figure 2.10 shows that results of curve fitting
on measured porosity and permeability of the shale cores with exponential and
power law correlations (Dong et al. 2010).



2.6 Stress-Dependent Compaction

(a)

Permeability )

(b)

Porosity (%)

1E-013

1E-014

1E-015

1E-016

1E-017

1E-018

1E-019

1E-020
0

19.0

"'¥"'I"" '""""I""I""I""I""I""I""'

Fine-grained sandstone

£ 0---0--© R261 sec2 | 3
- - -4 R26] sec2 2 ]
L o ----- W R307 secl b
E Silty-shale g
u \ A——t——a R255 sec2 | 4
L \ b——d——a R255 sec2 2 |
8 . o—oa—® R287 secl 3
: \ h——d——k R3I5] sec? h
R Y3t R390 sec3 B
H\H\“‘“‘-H.___ ——+——o R437-s¢cl]

—~—
O

LRRRRLLL

l/
|
/
/
/
/

Ty
21l

AR R RNA A ETARE FR AN A RN EUNES FEN A EN AN FRNTS SUNSE FAA

Effective Confining Pressure (MPa)

ETT T [T T[T AT [T N [T T PR I[P N [T A [T T [TO T T[T i [Trre

Fine-grained sandstone
G --0--0 R26] sec? |
*-—%--+ R26] sec?_
B --W--8 R307 _secl

L]
vl

R TRTYLIYOY, (PP AT YO YT A 1

Em

Silty-shale

At R255 sec2 2 2

e O——0—9 R287_sect
5— G——6——9 R3I6_sec]
E ek R35]_sec?

Vo3t R390_secd
R437_secl

| '.md}u' imrmrmn

AECARTARARAREANNERA FNER A FRSRIARERI NN RI AR NI RRRRN ERRNU ANTN:

Effective Confining Pressure (MPa)

0 10 20 30 40 50 60 70 80 90 100 110 120

100

10

0.1

0.01

0.0001

1E-005

10 20 30 40 50 60 70 80 90 100 110 120

Permeability (nd)

37

Fig. 2.9 Stress-dependent a permeability and b porosity of the sandstone (red dashed lines) and
silty-shale (solid black lines) (Dong et al. 2010)
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