
Chapter 2
Inherent Defying Features in Shale Gas
Modelling

Abstract Accurate simulation and modelling of shale gas reservoirs are deemed
crucial for efficient exploitation of these resources. Obtaining realistic results for
resource estimation and performance predictions has a significant impact on the
economics of the operating companies and all interested parties. Integrating all the
unique characteristics of shale gas reservoirs within a single reservoir simulator for
accurate predictions of future performance has become an increasingly intricate
task. For many years now, various researchers have tried to tackle some of these
challenges which include, but not limited to, how the natural fractures are simplified
and represented in a simulator, the transport of gas within the matrix and fractures,
adsorption and desorption phenomena within the shale gas system and also how the
fractures are propagated within the shale formation upon hydraulic fracturing. This
chapter provides an overview of the advances made in shale gas modelling and
highlights the improved understanding conveyed by various researchers on the
main defining characteristics of shale and the way these features of shale are
modelled in numerical reservoir simulators.

2.1 Incorporation of Natural Fractures in Shale Gas
Models

Natural fractures play an important role in the production of natural gas from shale
gas reservoirs. Where these fractures are present, there must be an extensive net-
work of the fractures intersecting to be able to contribute towards production of the
natural gas. For instance, according to Walton and Mclennan (2013), the Devonian
shale of the Appalachian basin is considered to be highly fractured with a fracture
spacing of order 1–10 cm, whereas that of the Atrium shale of Michigan basin is
more intensely fractured with fracture spacing of 1–2 ft.

Walton and Mclennan (2013) raised the question of whether these natural
fractures, if present, is, in fact, open and if so, how they are maintained open against
closure stress. According to the authors, if these natural fractures behave just like
coal cleats, are they initially filled with water? And how much of this water
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production is actually observed? An assumption that they believed is commonly
made is to assume that the fractures are open and gas filled.

The contribution of open natural fractures to economic gas production is per-
ceived to be because of their large surface area. However, Walton and Mclennan
(2013) argued in their paper that the contribution of this large surface area to gas
production is possible only for the ultra-low-permeability shallow gas shales,
whereas a much smaller surface area would be required for the deeper gas shales
such as Barnett. The Barnett shale, in particular, is believed to have less natural
fractures as it is often argued that the abundance of open natural fractures would
have resulted in the expulsion and migration of the gas out of the shale into
overlying rocks. Other arguments seek to suggest that the prolific abundance of
natural gas within the Barnett shale could only be as a result of the presence of open
natural fractures.

The storage capacity of the matrix is much higher than that of the fractures, and
in many of the shale gas reservoirs, the fractures tend not to hold any gas at all. Bai
et al. (1993) argued that the storage capacity of a fractured system should not
always be considered negligible compared to the storage of the matrix. This is
because, in most reservoirs that experience a high degree of production initially,
most of the gas must have been stored in the fractures and hence there is always a
drastic decline after a short period of time.

The open fractures may, however, be filled by fracturing fluid used in the
hydraulic fracturing process. The permeability of the matrix is lower relative to that
of the fractures.

There are basically two methods used in characterising fractured reservoirs.
These are dual porosity/dual permeability models and discrete fracture network
models.

2.1.1 Dual Porosity/Dual Permeability Model

Naturally fractured reservoirs are characterised by the presence of two distinct
porous media, the matrix and fractures. Naturally fractured reservoirs have been
referred to as dual porosity system as a result of the two porous media which are
present (Barenblatt et al. 1960). The matrix feeds fluid locally to the fractures, and
the fractures form a continuous system connected to the well.

Under the dual porosity model which was further modified by Warren and Root
(1963), the matrix does not contribute directly to the wellbore. The system was seen
as an orthogonal set of intersecting fractures and sugar cubic matrix block
(Fig. 2.1), and by using differential equations, analytical solutions were obtained for
well test analysis.

Warren and Root (1963) assumed flow from the matrix to the fracture occurs
under a transfer function with Darcy characteristics and also flow occurs under
pseudo-steady state conditions in the matrix blocks with a single value assigned to
the pressure in the blocks. The pressure differential between the matrix and the
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fractures, therefore, determines the mass transfer rate of the fluid. Thus, the
inter-porosity flow has been described by two main mechanisms which are the
pseudo-steady state and the transient flow. Warren and Root (1963) predicted that
on a semi-log plot of the test data, two parallel straight lines will develop. The slope
of the parallel lines represented the flow capacities of the formation, whereas the
vertical separation of the lines represented the storage capacity of the fractures. This
is shown in Fig. 2.2.

Odeh (1965) developed a simplified model with mathematical equations that
described the unsteady state behaviour of fractured reservoirs. He concluded from
his studies that there was no difference between fractured reservoir and

Fig. 2.1 Sugar cube model by Warren and Root

Fig. 2.2 Pseudo-steady state matrix flow pressure build-up curve (Warren and Root 1963)
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homogeneous reservoir on the basis of drawdown and build-up curves using field
measured data. This according to Kazemi (1969), contradicted the results of Warren
and Root (1963) but with smaller block dimensions and a higher permeability, their
results remain valid. Odeh (1965) used a similar model as Warren and Root (1963)
although his results did not show the two parallel straight lines as depicted in
Fig. 2.2.

The dual porosity model by Warren and Root (1963) was extended to include
transient flow in the matrix block by Kazemi (1969). The main distinction for
Kazemi (1969) was the use of transient flow within the matrix instead of assuming a
pseudo-steady state as was done by Warren and Root (1963). Kazemi (1969) also
used the slap model (sheets of parallel fracture sets) (Fig. 2.3) to describe the
reservoir. By considering a direct flow to the well, he found that similar results to
Warren and Root (1963) were obtainable without affecting the results in any sen-
sible way, except for a smooth transitional zone which occurs due to the
non-permanent flow regime of the fluid flow from the matrix to the fractures. Thus,
deviations will occur in the transitional period when the rock matrix is described by
a pseudo-steady state regime.

de Swaan (1976) expanded on the dual porosity model by using transient flow as
the basis of flow from the matrix to the fractures. He defined his transient model by
intrinsic properties of the matrix and the fractures as opposed to the bulk properties
of the matrix and fractures used by both Warren and Root (1963) and Kazemi
(1969). Both slab matrix shape model and a spherical matrix block solution were
also presented in the same study.

Serra et al. (1983) also used the transient model to describe the fluid flow from
the matrix to the fractures and based his model on intrinsic properties rather than
bulk properties. Serra et al. (1983) model was very similar to de Swaan (1976)
except for the use of different storativity ratio and inter-porosity coefficient.

Najurieta (1980) showed in a simplified description the pressure behaviour of
naturally fractured reservoir based on appropriate solutions of the de Swaan

Fig. 2.3 Dual porosity idealisation by Kazemi (1969)
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differential equation. In his study, he deduced equations that properly described the
transitional period taking into account the unsteady state behaviour of the matrix.
He also showed that the behaviour of a uniformly fractured reservoir can be fully
described by four parameters each of which is a function of two or more of the five
basic reservoir parameters (fracture and matrix porosity, fracture and matrix per-
meability and fracture spacing).

2.1.2 Discrete Fracture Network

DFN relies more on the spatial mapping of the fractures to construct an intercon-
nected network of the fractures. It is seen as a more recent development.

According to Dershowitz et al. (2004), DFN may be defined as an analysis and
modelling which explicitly incorporates the geometry and properties of the discrete
features as a central component controlling flow and transport. The equation of flow
is solved on each individual fracture network (McClure and Horne 2013).

One distinction between DFN and continuum model is that continuum model
averages fracture properties into effective properties over volumetric grid blocks.

McClure and Horne (2013) discussed the benefit of using DFN in describing the
complex nature of the fracture networks in low-permeability medium. With
low-permeability rocks, individual fractures in close proximity with no intersection
are mostly not well connected. Due to this, fluid flow between the locations will
depend on the nature of the fracture network geometry. Sometimes more distant
fractures provide a better connectivity than closer fractures (McCabe et al. 1983;
McClure and Horne 2013).

Also, another useful benefit of using DFN is that stresses in the rock can be
handled more accurately. According to McClure and Horne (2013), stresses caused
by fracture opening or sliding are very heterogeneous spatially and its effect on
neighbouring fractures is dependent on their relative orientation and location. There
are two main types of DFN used: deterministic model and stochastic model.

The deterministic model defines explicitly the location, orientation and dimen-
sions of the individual fracture which is then included in the model. The challenge
with this modelling is the fact that for a complex system of fractures, it will be
impossible to define accurately the location and properties explicitly of each of the
fractures within the reservoir.

Stochastic models analyse certain properties of the fracture such as fracture
height, length, aperture, orientation and spacing together with some statistical
scaling rule that defines the fracture architecture. A statistical approach is adopted
where the properties of the fracture system are generated randomly. To have an
accurate representation of the flow system, many realisations of the fracture net-
work flow system will have to be simulated.

According to Herbert (1996), it is not always possible in practice to simulate
efficiently many realisations and often more qualitative bounds are estimated from a
smaller sample of model results.
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2.2 Diffusion Models in Shale

One of the key characteristics of shale gas reservoirs is the flow of gas in the pore
network. The pores of shale gas reservoirs are within the ranges of 1–200 nm (Lee
and Kim 2015).

Javadpour et al. (2007) conducted experiments on 152 core samples from nine
shale reservoirs and reported that the average permeability of shale gas reservoirs is
of the range 54 nD (5.43 � 10−20 m2).

The flow of gas within this nano-pore is essential for gas production as well as
accurate simulations of shale gas reservoirs. Due to the nano-pores of the reservoir,
the apparent permeability is mostly dependent on the pore pressure, fluid type and
the pore structure (Guo et al. 2015).

In conventional reservoirs flow is continuous, whereas in shale gas reservoirs gas
can flow in the nano-pores in the slip flow regime, the transitional regime and the
molecular regime in addition to the continuum regime (Geng et al. 2016).

Darcy’s law which is used in conventional reservoirs to capture continuum flow
regimes is inadequate to describe other flow regimes that occur in the nano-pores.

The nature of the nano-pores, therefore, plays a significant role in the dynamics
of the fluid flow and its interactions with the surfaces of the shale. These are
different from conventional reservoirs where the pore network is much bigger and
flow can easily be described by Darcy’s law. The application of Darcy’s law in
nano-pores of the shale reservoirs will only underestimate the flow rate, thus
conventional Darcy’s law is not applicable in shale gas reservoirs and caution must
be exercised whenever it is used.

Under certain pressure and temperature conditions, the mean free path might
exceed the size of the pores and this might cause the gas molecules to move singly
through the pores. When this happens, the concept of continuum or bulk flow may
not be applicable (Lee and Kim 2015).

The gas diffusing through a porous media may involve collisions between the
gas molecules as well as collisions between the gas molecules and the walls of the
porous media.

The flow of fluid within any porous medium can be distinguished using the
Knudsen number. The Knudsen number is the ratio of the gas mean free path to the
diameter of the pore size.

Kn ¼ k
dp

ð2:1Þ

where dp is the diameter of the pores and k is the gas mean free path. A Kn greater
than 10 implies collision between gas molecules and the walls of the porous media.
Knudsen diffusion is dominant in such case with negligible molecular diffusion and
viscous diffusion. If Kn is much smaller than 0.1, collisions and interaction of the
gas molecules become dominant and Knudsen diffusion becomes negligible com-
pared with molecular and viscous diffusion.
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Rathakrishnan (2013) presented a table of different flow regimes corresponding
to Knudsen numbers (see Table 2.1).

For Knudsen number between 0 and 10−3, the continuum assumptions are valid
and flow can be described by the Navier–Stokes (N–S) equations with no-slip
boundary conditions. However, for Knudsen number between 10−3 and 10−1, the
flow can be described as slip flow and N–S equations become invalid. For Knudsen
number between 10−1 and 101, flow is said to be in the transitional region between
slip and free molecule flow and finally with Knudsen number greater than 10, the
free molecular regime is encountered with collisions between the gas molecules and
the walls of the media dominating (see Fig. 2.4).

Collisions of the gas molecules with the walls of the porous media are pre-
dominant especially for shale gas reservoirs due to the nano-pores which also
makes permeability measurement a challenge. There are, however, negligible col-
lisions between the gas molecules themselves compared with the collisions with the
wall surfaces of the media. For typical shale gas reservoirs, the Knudsen number
ranges from 2�10-4 to 6.0. As shown in Fig. 2.5, the slip flow occurs for most pore
sizes at the initial reservoir pressure. With the pore pressure decreasing, the tran-
sition flow generally becomes dominant.

In such cases, the use of N–S equations is no longer valid. These equations are
derived from the basic principles of conservation of mass, conservation of energy and
conservation of momentum. It is based on the assumption that the fluid is a continuum,
that is, it is not made up of discrete particles but rather a continuous substance.

According to Gad-el-hak (1999), the N–S model ignores the molecular nature of
gases and liquids and regards the fluid as a continuous medium describable in terms
of the spatial and temporal variations of density, velocity, pressure, temperature and
other macroscopic flow quantities. The assumption of N–S can only be valid when
the three fundamental assumptions of Newtonian framework (fluid with Newtonian
viscosity), continuum approximation (mean free path much less than flow conduit
dimensions) and thermodynamic equilibrium are satisfied (Gad-el-hak 1999;
Moghaddam and Jamiolahmady 2016).

N–S equation has been modified by various other researchers to account for slip
boundary condition. Other models have been developed to address the flow of fluid
in a media at the molecular level when the N–S equations become invalid. These
models are, however, excessively time-consuming and unrealistic to simulate gas
flow. They include molecular dynamic (MD), direct simulation Monte Carlo
(DSMC) or solution of linearised Boltzmann equation (LBE).

Table 2.1 Flow regimes
with corresponding Knudsen
number

Knudsen number Flow regime

(a) 0–10−3 Continuum/Darcy flow (no-slip flow)

(b) 10−3–10−1 Slip flow

(c) 10−1–101 Transition flow

(d) 101–∞ Free molecule flow
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There have been a number of methods which accounts for slip boundary con-
dition such as the Maxwell slip and second-order slip. Maxwell slip condition is a
first-order approximation from the kinetic theory of gases and its being widely
applied to predict the mass flow in micro- and nano-channels.

For a complete description of the flow in tight media, the model developed should
be able to account for Knudsen diffusion as well as slip flow and the processes of
adsorption and desorption. Thus, gas flow through shale nano-pores has been described
by several models that account for Knudsen diffusion, slip flow and desorption.

Klinkenberg (1941) conducted experiments to explain the phenomenon of gas
transport through porous media. He concluded that gas permeability is a function of
mean pressure and gas composition and that the equivalent liquid permeability is
independent of both mean pressure and gas composition. He showed that a linear

Fig. 2.4 Flow within a shale
pore structure with gas
molecules collisions
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relationship exists between the Darcy permeability and the reciprocal of the mean
pressure of the system.

k pavg
� � ¼ kD 1þ b

pavg

� �
ð2:2Þ

where kðpavgÞ is the gas permeability at mean pressure pavg, kD the Darcy perme-
ability or liquid permeability and b the Klinkenberg parameter. Conventional gas
reservoirs have been modelled with the Klinkenberg effect, and recent use has been
made for tight gas reservoirs with pores of 1–10 µm in size. Thus, slippage effect of
the gas molecules can be accounted for when using Klinkenberg’s model.

Javadpour (2009) developed a new model that accounted for a no-slip boundary
and Knudsen diffusion using Maxwell theory. The new model presents an equation
that is derived from the theoretical basis as in molecular dynamics but written in a
format compatible with the Darcy equation. According to Javadpour (2009), this
can be easily incorporated into commercial reservoir simulators to study gas pro-
duction from mud rock systems. Javadpour (2009) model converges to the Knudsen
diffusion model when the average pore size decreases and when the sizes increases,
it converges to the continuum model.

kapp ¼ 2rl
3� 103pavg

8RT
pM

� �0:5

þ r2

8
1þ 8pRT

M

� �0:5 2
a
� 1

� �
l

rpavg

( )
ð2:3Þ

Fig. 2.5 Contour plot of the Knudsen number versus pore pressure size (Geng et al. 2016). Slip
flow occurring at initial reservoir pressure
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kapp is the apparent permeability for a porous medium in a straight cylindrical
nanotube. The apparent permeability relationship with Klinkenberg can be written
in the form

Kapp ¼ kD 1þ b
pavg

� �
, where b is given as

b ¼ 16l
3� 103r

8RT
pM

� �0:5

þ 8pRT
M

� �0:5 2
a
� 1

� �
l
r
; ð2:4Þ

This model is simple as it assumed an ideal gas and no desorption.
Azom and Javadpour (2012) corrected the above equation to account for real gas

flowing in a porous medium. The final modified equation remained the same as
above with b given as

b ¼ 16lcgpavg
3� 103r

8ZRT
pM

� �0:5

þ 8pRT
M

� �0:5 2
a
� 1

� �
l
r

ð2:5Þ

to account for the gas compressibility factor. As the gas becomes ideal, Eq. (2.2)
changes to Eq. (2.1) since the gas compressibility cg ¼ 1

pavg
and Z ¼ 1.

Civan (2010) developed a model under slip flow assumptions represented by
second-order slip approximations. This was based on Beskok and Karniadakis
(1999) model of rarefied gas flow in a micro-channel, ducts and pipes. The model
assumes that permeability is a function of the intrinsic permeability, the Knudsen
number, the rarefication coefficient and the slip coefficient. Thus,

k ¼ kD 1þ arknð Þ 1þ 4kn
1� bkn

� �
ð2:6Þ

with rarefication coefficient given as:

ar ¼ a0
KB
n

AþKB
n

� �
ð2:7Þ

The drawbacks of this model are the use of several empirical parameters which
require performing several experiments.

Darabi et al. (2012) formulated a pressure-dependent permeability function
known as apparent permeability function (APF). The APF model describes gas flow
in ultra-tight natural porous media characterised by a network of interconnected
tortuous micro-pores and nano-pores. Darabi et al. (2012) adapted the model
developed by Javadpour (2009) to include surface roughness as well as Knudsen
diffusion and slip flow (Maxwell theory). The APF in porous media is given as:
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kapp ¼ lM
RTqavg

/
s

d0ð ÞDf�2Dk þ kD 1þ b
p

� �
ð2:8Þ

Dk is the Knudsen diffusion coefficient and d0 is the ratio of normalised
molecular size ðdmÞ to local average pore diameter ðdpÞ, d0 ¼ dm=dp. Ravg is the

average pore radius, approximated by Ravg ¼ ð8kDÞ0:5.
Singh and Javadpour (2016) proposed a different approach to modelling

apparent permeability in shale gas reservoirs. This approach deviated from the
empirical approach used by earlier researchers. The term non-empirical apparent
permeability (NAP) is used to describe this model which is an analytical equation
that depends on the pore size, pore geometry, temperature, gas properties and
average reservoir pressure. The NAP model was derived without the assumption of
slip flow at the pore walls. The proposed model also showed that the pore surface
roughness and mineralogy have negligible influence on gas flow rate under a
complete range of reservoir operating conditions. Singh and Javadpour (2016)
model accounts for both Knudsen diffusion and sorption in a porous medium but
ignores slip flow.

Singh and Javadpour (2015) extended the analytical model for apparent per-
meability determination in shale gas reservoirs by developing a new permeability
model that goes away with the shortcomings of Maxwell slip condition, uses readily
available Langmuir sorption data to determine the slip coefficient for gas flow and
also includes a higher-order slip effect on gas flow. This model is referred to as the
Langmuir slip permeability (LSP). The LSP is based on the Langmuir slip condition
of Myong (2003) which considers the gas surface molecular interactions.

Geng et al. (2016) developed a new model for gas flow based on the extended
Navier–Stokes equations without adsorption and desorption. The model takes into
account all the possible flow regimes including continuum regime, slip flow regime,
the transitional regime and molecular regime. However, without incorporating the
adsorption or desorption component, this model falls short in capturing the real
phenomena of the flow process in the nano-pores.

A finite difference method called finite difference geometrical pore approxima-
tion (FDGPA) was introduced by Shabro et al. (2012) to simulate pore scale fluid
flow in a porous media. In this model, geometrical parameters are defined in
interstitial space domain to characterise pore scale images. This method is relatively
six times faster on average than the Lattice Boltzmann method (LBM) which
requires significant computational effort.

Comparison of different models describing fluid flow in porous media together
with the pros and cons has been summarised by Singh and Javadpour (2015) in
Fig. 2.6 and Table 2.2.
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2.3 Modelling of Fracture Propagation

In shale gas reservoirs, low permeability of shale implies very little or no recovery
of gas through conventional drilling. Thus, to initiate flow to the wellbore, complex
network of fractures are required to allow the gas to flow through them and into the
well for production. Hydraulic fracturing is the key in creating these fractures that
allow for an increase in the permeability to assist in fluid flow.

There is, therefore, the need to understand how these fractures will propagate
through the formation. Various analytical and numerical techniques have been
developed to model fracture propagation in shale gas reservoirs. These models are
sometimes incorporated into reservoir simulators to assist in predicting shale gas
performance.

Modelling of hydraulic fractures requires the application of three fundamental
equations which are the continuity equation, momentum or fracture fluid flow and
the linear elastic fracture mechanics (LEFM).

Both the continuity equations together with the fluid flow are coupled using a
relation between the fracture width and fluid pressure, whereas the resulting
deformation is modelled through LEFM.

2D modelling techniques were first to be used in modelling the fracture prop-
agation; however, these models require the use of several assumptions that limit
their use. The development of planar 3D and pseudo-3D models has helped to
bridge this limitation while allowing for easier computational analysis.

All of these models require the understanding of the fracture geometry which
includes the height of the fracture, its length and also the width. Commonly used

Fig. 2.6 Comparison of different models to predict cumulative gas production (Singh and
Javadpour 2015)
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Table 2.2 Summary of models for diffusion in shale gas (Singh and Javadpour 2015)

Model Description Pros Cons

Javadpour
(2009)

Model developed using
slip assumption,
represented by Maxwell
theory. Accounts for
Knudsen diffusion.
Modelled only for straight
capillary tubes

Simple Limited to straight
tubes ideal gas.
Ignores desorption

Civan (2010) Model developed using
slip flow assumption,
represented by simplified
second-order slip model.
Contains several empirical
parameters

Higher-order slip flow Several empirical
parameters

Darabi et al.
(2012)

Model developed using
slip flow assumption.
Represented by Maxwell
theory. Accounts for
surface roughness and
Knudsen diffusion in a
porous medium

Includes tortuosity and
pore surface roughness

Needs TMAC values.
Ideal gas ignores
desorption

Akkutlu and
Fathi (2011)

Model includes dual
porosity continua of
matrix/fracture system
where the matrix is
composed of both organic
and inorganic pores.
Accounts for surface
diffusion in a porous
medium

Dual porosity system Complex numerical
model

Shabro et al.
(2012)

A finite difference-based
numerical model and
geometrical parameters are
used to reconstruct the
porous structure of shale,
which is then used for pore
scale characterisation.
Permeability equation is
borrowed from Javadpour 1

Spatial characterisation
and geometry of porous
media included

Complex numerical
model. Ideal gas
ignores desorption.
Needs TMAC values

Sakhaee-pour
and
Bryant (2011)

Model developed using
slip flow assumptions,
represented by Maxwell
theory. Accounts for
Knudsen diffusion

Spatial characterisation
and geometry of porous
media included

Needs TMAC values.
Ideal gas

Mehmani
et al. (2013)

Model developed by
employing flow equation
from Javadpour in pore
network interconnected on
Nano and micro length
scales

Spatial characterisation
and geometry of porous
media included

Complex numerical
model. Ideal gas.
Ignores desorption.
Needs TMAC values

(continued)
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Table 2.2 (continued)

Model Description Pros Cons

Singh and
Javadpour
(2016)

Model developed using
Navier–Stokes equation
and kinetic theory (no-slip
flow assumption).
Accounts for Knudsen
diffusion, porous medium
and sorption

Simple. No empirical
coefficient

Ignores slip flow

Rezaveisi
et al. (2014)

Numerical model
developed to study
components of produced
gas with time from
nanometre-sized pores.
Relevant physics includes
advection, slip flow and
Knudsen diffusion

Distinguishes different
gas types

Needs TMAC values

Kelly et al.
(2015)

The porous structure of
shale is reconstructed using
FIB-SEM image stacks and
numerical study using
LBM is performed to study
petro-physical properties of
shale. Permeability
estimation is done using
pressure driven flow

Spatial characterisation
and geometry of porous
media included

Complex numerical
model. Ignores slip,
diffusion, and
desorption

Chen et al.
(2015)

The porous structure of
shale is constructed using
Markov Chain Monte
Carlo (MCMC) on SEM
images and its pore scale
characterisation is
performed. Apparent
permeability includes flow
from advection. Knudsen
diffusion and slip. LBM is
used to simulate fluid flow

Spatial characterisation
and geometry of porous
media included

Complex numerical
model. Ignores
desorption. Several
empirical parameters

Naraghi and
Javadpour
(2015)

Model developed by
stochastically
characterising organic and
inorganic pores. Accounts
for slip flow. Knudsen
diffusion, surface
roughness and desorption

Distinguishes different
pore systems in the
organic and inorganic
matter. Real gases

Needs additional
information from
SEM images.
Needs TMAC values

Singh and
Javadpour
(2015)

Model developed using
Langmuir slip condition
and it does not carry
several shortcomings
associated with the use of
Maxwell slip. Reliably
predicts apparent
permeability in shale

Simple and analytic.
Gets slip coefficient
from sorption data.
Real gas

Ignores local
heterogeneity
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2D models include Perkins-Kern-Nordgren (PKN), Khristianovic-Geertsma-de
Klerk (KGD) and circular fracture model.

Howard and Fast (1957) developed a mathematical model for fracture treatment
which assumed the fracture width to be constant everywhere. A growing number of
other 2D models have been developed since such as PKN and KGD. Usually with a
2D model, the fracture height is normally fixed and the fracture width and length
will then be calculated.

Perkins and Kern (1961) developed the PKN model with modifications by
(Nordgren 1972) to account for fluid loss. This model is usually used when the
fracture length is greater than the fracture height or when there is a large length/
height ratio. There are a number of assumptions that need to be satisfied for this
model to be used successfully. These assumptions are best summarised by
Nordgren (1972), Yew et al. (2015):

1. The fractures are assumed to be in a plane strain state in the vertical plane,
2. The vertical cross section is elliptical,
3. Fracture toughness has no effect on the fracture geometry since the energy

needed for the fracture to propagate is less than that required for the fluid to flow
along the fracture length,

4. Vertical fracture propagation in a straight line from the well,
5. Restricted vertical height,
6. Fracture is in plane strain in the vertical,
7. Isotropic, homogeneous, linear elastic rock mass.

PKN model is mostly used for long fractures with limited height and elliptical
vertical cross section. The elliptical shape of the fracture propagation implies the
width is not constant along the fracture height and length.

From Fig. 2.7, the maximum fracture width occurs where the fracture wing
touches the wellbore and this width is a function of a distance from the wellbore.

xf ¼ 0:68
GQ3

o

ð1� vÞlh4f

" #1=5

t4=5 ð2:9Þ

w0 ¼ 2:5
ð1� vÞlQ2

o

Ghf

� 	1=5
t1=5 ð2:10Þ

pw ¼ r3 þ 2:5
G4lQ2

o

ð1� vÞ4h6f

" #1=5

t1=5 ð2:11Þ

where xf is the fracture half length, w0 is the maximum fracture opening, pw is the
wellbore pressure, G is the shear modulus, Q is the fluid injection rate, l is the fluid
viscosity and t is the time.
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The KGD model is independent of height for width calculation and used often
for very short fractures where plane strain assumptions are only applicable to
horizontal sections (Adachi et al. 2007). Thus, KGD models are used when the
fracture height is more than the fracture length. The geometry used in developing
KGD model is illustrated in Fig. 2.8. The main assumptions under which KGD
model is valid according to Geertsma and De Klerk (1969) are:

1. Vertical fracture propagating in a straight line from the well,
2. Restricted fracture height,
3. Homogeneous, isotropic, linear elastic rock mass,
4. Purely viscous fluid in laminar flow regime,
5. Rectangular vertical cross section of fracture,
6. Plane strain conditions in the horizontal plane.

Since the fracture is assumed to be at a plane strain condition in the horizontal
plane, the KGD model is best suited for fractures whose length/height ratio is less
or near unity (Yew et al. 2015).

xf ¼ 0:48
8GQ3

o

ð1� vÞlh4f

" #1=6

t2=3 ð2:12Þ

w0 ¼ 1:32
8ð1� vÞlQ3

o

G

� 	1=6
t1=3 ð2:13Þ

pw ¼ r3 þ 0:96
2G3lQo

ð1� vÞ3x2f

" #1=4

ð2:14Þ

Daneshy (1973) extended the KGD model for the case of power-law fluids or
non-Newtonian fluids. He argued that the inclusion of non-Newtonian fluids allows

Fig. 2.7 Schematic model of PKN [modified from frackoptima.com (1http://www.frackoptima.
com/userguide/theory/pkn.html)]
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a more accurate consideration of most industrial fluids. By critically examining the
assumptions involved in designing vertical hydraulic fractures, they found that
some of these assumptions greatly affected the end results and that their presence
does not necessarily affect the solution of the problem and their validity has not
been tested. This was done on the basis of a new width equation and a numerical
design procedure.

Settari and Cleary (1986) were the first to develop a pseudo-three-dimensional
model (P3D) to describe the varying geometry of a 3D hydraulic fracture.
According to Adachi et al. (2007), P3D is a crude yet effective attempt to capture
the physical behaviour of planar 3D hydraulic fractures at minimal computational
cost. Though this method might not be as accurate as numerical simulators, it
requires less computing time and hence less expensive to develop. The P3D model
does not consider the varying nature of the fracture geometry but instead modifies

Fig. 2.8 Model geometry of KGD (modified from Weng 2015)
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the 2D models by adding the varying height along the fracture length and its effect
on the fracture width (Rahman and Rahman 2010). There are two types normally
considered: lumped and cell-based (Mack and Warpinski 2000). The lumped model
assumes that the vertical profile of the fracture consists of two half ellipses joined at
the centre (Fig. 2.9a), whereas the cell-based models treat the fracture as a series of
connected cells (Fig. 2.9b).

Though 2D models are simple, they are limited in that they require fracture
height to be specified by the engineer and also by assuming that a radial fracture
will develop. Another limitation is the fact that the fracture height is never the same
especially from the well to fracture tip. The use of planar 3D models and pseudo-3D
models has therefore been designed to address these limitations.

With respect to the planar three-dimensional models, the fracture geometry is
defined by its width and the shape of its periphery which is, in turn, specified by the
height at any distance from the well and length (Mack and Warpinski 2000). Planar
3D models describe the fracture propagation using either a 2D mesh of cells, either
a triangular mesh or a fixed rectangular mesh. Planar 3D models have been
developed also to address some of the limitations encountered when using the P3D
models. An example of these limitations is that when there is an unconfined height
growth, the P3D model tends to break down numerically.

2.4 Adsorption and Desorption Models in Shale

The composition of gas in shale gas reservoir is thought to be primarily made up of
free gas stored within the pore network of the matrix and fractures and adsorbed gas
on the surfaces of the shale matrix. The adsorbed gas is believed to be in the organic
matter (kerogen).

Fig. 2.9 Schematics showing fracture geometry based on 3D lumped elliptical model (a) and
cell-based pseudo-3D geometry (b) (adapted from Weng 2015)
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Clarkson and Haghshenas (2013) outlined multiple mechanisms for gas storage
in coals and in organic-rich shales. These are:

1. Adsorption upon internal surface area,
2. Conventional (compressed gas) storage in natural and hydraulic (induced)

fractures,
3. Conventional storage in matrix porosity (organic and inorganic),
4. Solution in formation water,
5. Adsorption (solution) in organic matter.

The adsorption capacity of shale gas depends on a number of factors such as
specific surface area, pressure, temperature, pore size and sorption affinity
(Leahy-dios et al. 2011).

Total amount of gas in place is strongly affected by the TOC, clays and the
adsorption ability of methane on the internal surface of the solid (Martin et al. 2010;
Yu et al. 2014). Organic matter in shale is considered to have a strong adsorption
potential due to its large surface area and its affinity to methane (Yu et al. 2014,
2015).

In shale gas reservoirs, the adsorption process is mainly considered to be a
physical process such that both adsorption and desorption of gas molecules are
reversible.

There are basically six different types of adsorption which the international
union of pure and applied chemistry (IUPAC) has classified. Of the six categories,
adsorption on shale gas reservoirs is normally classified under the Type I, also
known as the Langmuir isotherm. The adsorption behaviour of the gas in shale gas
reservoirs is normally described by the monolayer Langmuir isotherm. This means
a single layer of molecules covering the solid surfaces.

The Langmuir isotherm assumes that the adsorbed gas behaves as an ideal gas
under isothermal conditions. Hence, there is a dynamic equilibrium at constant
temperature and pressure between the adsorbed and non-absorbed gas.

Freeman et al. (2012) and Chao et al. (1994) concurred that instantaneous
equilibrium of the sorbing surfaces and the storage in the pore space is assumed to
be established under the Langmuir isotherm.

According to Freeman et al. (2012), this means there is no transient lag between
pressure drop and desorption response when considered under modelling
perspective.

Chao et al. (1994) concluded that due to the very low permeability of the shale,
flow through the media is extremely slow and hence the assumption of instanta-
neous equilibrium is justified.

Langmuir isotherm is given by the formulae:

V ¼ VLP
PþPL

; ð2:15Þ

where V the volume of adsorbed gas at pressure P, VL is the Langmuir volume or
maximum gas adsorption at infinite pressure and PL is the Langmuir pressure
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corresponding to one half of the Langmuir volume. This formula will give the
volume of adsorbed gas in scf/ft3. In order to convert the gas content from scf/ft3 to
scf/ton, the bulk density of shale is needed.

The contribution of adsorbed gas to overall gas recovery has been modelled by
various researchers in an effort to ascertain the role adsorption and desorption play in
the recovery process. According to Cipolla et al. (2010), the contribution from adsorbed
gas made up a low percentage of the overall gas recovery due to the ultra-low per-
meability of the rock. He also observed that the impact of desorption decreases when
the network fracture spacing is smaller using the Barnett shale play. Accroding to their
study, it is expected that gas adsorption will play a small role in the well performance
with the desorption mainly occuring at the later life of the well when pressures in the
tight matrix have become very low. Frantz et al. (2005) also concluded that in the
Barnett shale, desorption is a less important factor in evaluating the well performance.

Mengal and Wattenbarger (2011) developed a shale gas pseudo-steady state
model (SGPSS) to describe the contribution of adsorption on the life of the field and
the calculation of original gas in place (OGIP). They found that incorporating the
adsorbed gas to the model results in a 30% increase in OGIP and a 17% decrease in
recovery factor. Stimulated reservoir volume estimates were found to be 5% less
when adsorbed gas is considered. Mengal and Wattenbarger (2011) also pointed out
that adsorption has little contribution during early times but contributes significantly
at late times and low reservoir pressures.

Stephen Brunauer, P. H. Emmet and Edward Teller developed the BET isotherm
in 1938 in which they assumed that the adsorption layers on the surface of the
organic carbon were infinite. Unlike the Langmuir isotherm which assumed a
monolayer adsorption, BET isotherm extended Langmuir’s application to include a
multi-layer adsorption. See Fig. 2.10 for the difference between single-layer and
multi-layer adsorption.

With several key assumptions such as homogeneous surface, no lateral inter-
actions between molecules and saturation pressure conditions, the number of layers
becomes infinite. BET isotherm is considered a better fit to describing the
adsorption processes in shale gas reservoir.

BET isotherm is classified as Type 2 isotherm which occurs in a non-porous or a
macro-porous material (Kuila and Prasad 2013). The general form of the BET
isotherm can be given as

V Pð Þ ¼ VmC P
PO

1� P
PO

1� ðnþ 1Þ P
PO

� �n
þ n P

PO

� �nþ 1

1þðC � 1Þ P
PO

� C P
PO

� �nþ 1

2
64

3
75 ð2:16Þ

Vm is the maximum adsorption gas volume when the entire adsorbent surface is
being covered with a complete monolayer, C is a constant related to the net heat of
adsorption, PO is the saturation pressure of the gas and n is the maximum number of
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adsorption layers. When n = 1, the equation will be reduced to the Langmuir
isotherm and when n = 1, the equation reduces to

VL ¼ VmCP

Po � Pð Þ 1þ C�1ð ÞP
Po

h i ð2:17Þ

A comparison of Langmuir and BET isotherm is shown in Fig. 2.11.
Yu et al. (2015) described for the first time that methane adsorption in shale gas

reservoir behaved similar to multi-layer adsorption. Core samples from Marcellus
shale were analysed and found to deviate from Langmuir isotherm but obey the
Brunaeur-Emmett-Teller (BET) isotherm.

Fig. 2.10 Monolayer and multi-layer Langmuir isotherm

Fig. 2.11 Comparison of Langmuir and BET isotherms
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Yu et al. (2015) also found that gas adsorption obeying the BET isotherm
contributes to more production than gas adsorption obeying the Langmuir isotherm.
They also argue that at very high pressures, the gas that is finally sorbed on the
organic carbon surfaces forms multi-molecular layers and Langmuir isotherm may
not be a good approximation of the amount of gas stored on the surfaces of the
organic carbon.

Pure methane might not be the only component adsorbed on shale, with the
presence of carbon dioxide, nitrogen and other heavier components. The presence
of CO2 with methane in the free gas makes the gas desorption behaviour and
measurement most difficult. There is always competition for the same adsorption
site by the components. Thus, the total volume of any of the gas will be less when
they act independently.

Thus, the presence of more than one component within the pore network means
that a better and more representative isotherm model will have to be taken into
account.

Leahy-dios et al. (2011) suggested the use of multi-component adsorption iso-
therm model. According to Leahy-dios et al. (2011), a general form of expressing
the multi-component adsorption is the extended Langmuir isotherm. They con-
ducted experiments on the effect of multi-component adsorption and desorption on
estimation and calculation of OGIP by using the extended Langmuir isotherm. By
proposing a new multi-component adsorption model that allows the binary inter-
action parameters to capture non-ideal adsorption and also the fitting of adsorption
isotherms for multi-component data sets, cumulative gas production could be
increased by 10% over the life of the well.

Ambrose et al. (2011) also proposed a multi-component adsorption model that
can be used to determine the composition and the amount of an adsorbed phase that
is present. The extended Langmuir isotherm was chosen among other
multi-component adsorption models such as ideal adsorbed solution (IAS) and the
2D equation of state (2D EOS) due to its wider use in the petroleum industry.
Ambrose et al. (2011) proposed a new gas in place equation that combined the
extended Langmuir model with volumetrics and the free gas composition; this
method of calculating the gas in place showed a 20% decrease in gas in place
compared with when the conventional approach was used in the calculation.

Ruthven (1984) proposed a general equation that represents the extended
Langmuir isotherm as

Vads;i ¼
VL;i

pi
pL;i

� �
1þ P pi

pL;j

� � ð2:18Þ

where VL;i the Langmuir volume for component is i, pL;i is the Langmuir pressure

component for i and
P pi

pL;j

� �
is the summation of all component pressure ratios

i and j, pi is the partial pressure of component i.
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2.5 Stress-Dependent Permeability in Shale

In modelling of shale gas reservoirs, it is important to consider permeability
changes due to overburden pressure. Very often in conventional reservoirs where
the rocks are assumed permeable, permeability is modelled as insensitive to the
effective pressure as the large pore throats of the rocks may not see a complete
closure when effective pressure increases (Faulkner and Rutter 1998).

However, for unconventional reservoirs such as shale gas, the small grain size
and pore spaces mean that they are easily affected by the influence of pressure.
Thus, pressure changes throughout the reservoir have the effect of changing the
permeability of the formation. The pore spaces can eventually be closed under
effective pressure (i.e. Total pressure–Pore fluid pressure).

Previous modelling of shale gas reservoirs neglected the effect of
stress-dependent fracture permeability on well productivity and gas recovery
(Cipolla et al. 2009a). Cipolla et al. (2009b) showed the impact of closure stress and
Young’s modulus on unpropped fracture conductivity. Fracture conductivity
decreased considerably as the closure stress increased and with decreasing Young’s
modulus. They conducted a number of simulation using Barnett shale properties
and demonstrated the more severe effect of stress-dependent fracture conductivity
on reducing gas recovery. According to them, for shales of lower Young’s modulus,
the corresponding increase in the closure stress and its effect on the fracture con-
ductivity will be greater.

Pedrosa (1986) obtained pressure transient response in stress-sensitive forma-
tions by analytically solving the radial flow equation with pressure-dependent rock
properties. In his model, he considered the reduction in permeability as a result of
increase in effective stress. A new parameter known as the permeability modulus
was included in his model to account for the permeability dependence on pressure.
This permeability modulus is the fractional change in permeability with a unit
change in pressure.

Lowering pore pressure has the effect of increasing the effective stress in the
formation, and with low-permeability reservoirs, this has a major impact on the
permeability of the formation. Thus, an essential feature of low-permeability
reservoirs and fractured rocks is their sensitivity to effective stress in terms of both
porosity and permeability (Pedrosa 1986).

Vairogs et al. (1971) conducted experimental studies to demonstrate that
low-permeability reservoirs exhibit a much greater permeability reduction than
reservoirs with much higher permeability. The authors proposed a mathematical
model that incorporated the effect of stress on the permeability of tight reservoirs
and used this model to predict production performance as a result of the effect of
stress on the permeability of tight rocks.

Raghavan and Chin (2002) presented correlations in order to assess the pro-
duction loss in stress-dependent permeability reservoirs. They believed that these
correlations could be easily incorporated into reservoir simulators to do production
forecasts and account for productivity changes. A rigorous mathematical model was
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developed that combines geo-mechanical and fluid flow to correlate reductions that
occur in production with time. They used three fundamental principles of linear
momentum, mass conservation and Darcy’s law in their model to compute pressure
responses. The results from their studies showed that a high drawdown pressure,
high overburden stress and an initially low reservoir pressure will increase
stress-induced loss in productivity.

Cho et al. (2012) conducted a number of experimental studies to verify and
calibrate existing pressure-dependent permeability correlations. These correlations
were supported by a number of field examples and synthetic data with results
indicating the loss of initial permeability of unpropped natural fractures following
pressure depletion in the reservoir. Nevertheless, the authors cautioned against the
use of fracture closure with pressure drop data without considering the complex
interactions between the natural fractures and the shale matrix. A table of the
correlations used in the studies of Cho et al. (2012) are presented (see Table 2.3).

Best and Katsube (1995) stated that there is no agreement on whether the
relationship between permeability and pressure could be represented by a single
mathematical expression. They, however, postulated that this relationship between
pressure and permeability for shale can be expressed exponentially by the form

Table 2.3 Table of selected correlations (Cho et al. 2012)

References Correlation

1. Rutqvist et al. (2002)
kf ¼ kfie

c1
/
/i
�1

� �
, / ¼ /r1 þ /i � /r1ð Þea1Dp

2. Rutqvist et al. (2002) k ¼ kiFk ,

Fk ¼ bmax2 ed2dy�ed2r
0yið Þ½ �3 þ bmax2 ed2dz�ed2r0 zið Þ½ �3

b3i2 þ b3i2

3. Raghavan and Chin (2002) (rock
type I)

kf ¼ kfie�df 3Dp

4. Raghavan and Chin (2002) (rock
type II)

kf ¼ kfi 1� mf 4Dp
� �

5. Raghavan and Chin (2002) (rock
type III)

kf ¼ kfi
/f

/fi

� �n
with /nþ 1

f ¼ 1� 1�/n
f

eDev ,

Dev ¼ a5Dp 1þ v5ð Þ 2v5�1ð Þ
E5 1�v5ð Þ

6. Raghavan and Chin (2002) and
Celis et al. (1994)

kf ¼ kfi
/f

/fi

� �n
, /f ¼ /fie

�df 6Dp

7. Raghavan and Chin (2002) and
Rutqvist et al. (2002)

kf ¼ kfi
/f

/fi

� �n
, /f ¼ /fiF/, F/ ¼ b1 þ b2 þ b3

b1i þ b2i þ b3i
,

b ¼ bi7 þ bmax7 edf 7r
0n � edf 7r

0ni

 �

8. Raghavan and Chin (2002) and
Minkoff et al. (2003)

kf ¼ kfi
/f

/fi

� �n
, /f ¼ /fi 1� mf 8Dp

� �
9. Raghavan and Chin (2002) and

Minkoff et al. (2003)
kf ¼ kfi

/f

/fi

� �n
, / ¼ 1� 1�/ið Þ

eev ,

ev ¼ agDp 1þ vgð Þ 2vg�1ð Þ
Eg 1�vgð Þ
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k ¼ koe
�aPe ð2:19Þ

where ko is the permeability at atmospheric condition, Pe is the effective pressure
and a is the slope of the curve of permeability versus effective pressure.

Gutierrez et al. (2000) conducted experimental studies to describe how fracture
permeability varies with mechanical loading and to determine whether mechanical
deformation can completely close a hydraulic fracture. The results from the
experiments showed reduction in fracture permeability when increasing normal
stress. But they observed that the fracture is never completely closed under this
stress and the permeability remained higher compared to the shale matrix
permeability.

Franquet et al. (2004) noted that substantial errors are likely to be obtained if
proper appreciation of the mechanics of rock compressibility under various states of
stress is not examined. Pressure-dependent permeability data are very rare to come
by and hence most analysis of permeability in well test analysis is done with the
assumption of a constant permeability. They attempted to evaluate the error caused
by ignoring the pressure-dependent permeability in tight gas reservoirs by simu-
lating the pressure-dependent permeability using an exponential form for the per-
meability versus pressure drop. This simulation model, therefore, required only one
parameter c which is the permeability modulus, psia−1.

k ¼ kie
�c pi�pð Þ ð2:20Þ

k; ki are the current and initial permeability, respectively, while p; pi are the
current and initial pressures.

Navarro (2012) conducted field studies of wells in Robore III reservoir, Bolivia, to
investigate the decline in production by analysing compressibility, production and
pressure data. It was found that production decline was primary as a result of the
closure of fractures due to an increase in the effective stress. The closure of the natural
fractures leads to the reservoir becoming more of a matrix permeability reservoir.

Tao et al. (2009) conducted numerical modelling combining a fully coupled
poro-elastic displacement discontinuity method and nonlinear fracture deformation
model to analyse the change in fracture permeability in fractured reservoirs. Their
studies focussed on fractures since they are susceptible to change under stress
compared to that of the matrix. Their work showed that fracture permeability
reduces due to the increases in effective normal stress. Thus under isotropic stress
conditions, fracture permeability was found to be decreasing. According to Tao
et al. (2009), fracture permeability may increase during production especially in
high anisotropic stress.

Wu and Pruess (2000) presented integral solutions for transient flow through a
porous media by considering pressure-dependent permeability. They observed the
effects of pressure on permeability by using integral solutions for one-dimensional
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single-phase, slightly compressible linear and radial flow through a horizontal
fracture. The results of their studies also showed that ignoring pressure dependence
on permeability may lead to significant errors in flow behaviour under
high-pressure operations.

Berumen and Tiab (1996) presented new numerical approach for interpreting the
effect of permeability changes in artificially fractured rocks. By considering non-
linear effect of pressure dependence, new type curves were generated for pressure
sensitive fracture formations. The use of conventional techniques in evaluating
fractured wells was found to be insufficient and led to inaccurate estimates.

According to Wheaton (2017), there has been no analytically derived relation-
ship that relates shale permeability to pressure and geo-mechanical properties.
Wheaton (2017), therefore, tried to examine the theoretical dependence of shale
permeability on pressure and geo-mechanical properties of shale using Young’s
modulus and poison ratio. By developing a simple equation to relate shale per-
meability to pressure, Young’s modulus and poison ratio, he was able to predict
shale permeability on the basis of geo-mechanical properties.

k pið Þ
k poð Þ ¼ 1þ 3pi 1� 2vð Þ

E/o

� 	3
ð2:21Þ

where pi = initial producing pressure, kðpoÞ = shale permeability under surface
conditions and kðpiÞ = estimated shale permeability under initial production con-
ditions. Also E; v represents Young’s modulus and poison ratio, respectively.

The model equation though cannot be verified due to the absence of any
experimental data which relates the dependence of shale permeability to pressure as
a function of Young’s modulus and poison ratio in shale.
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